Introduction
Naturally fractured reservoirs are composed of high flow capacity-low storage fractures and high storage-low flow capacity matrix blocks. Composite systems in this type of reservoirs can be encountered as a result of non-uniform fracture distribution, drilling, secondary or tertiary recovery projects, and stimulation programs. In general, a composite reservoir system is made up of two or more regions. Each region has its own rock and fluid properties.
In the past 25 years, a considerable theoretical effort has been made to describe the pressure behavior of this specific type of reservoir. Poon (Poon, 1984) first studied the pressure transient behavior of a composite dual-porosity reservoir by extending the Warren and Root's natural fracture model to a composite reservoir and assuming pseudo-steady-state flow in the matrix system. In 1987, Prado and Da Prat (Prado & Da Prat, 1987 ) presented an analytical model to describe the pressure behavior of a well completed in a reservoir wherein natural fractures occur over a limited area around the wellbore. The flow in the reservoir is treated as a composite reservoir flow problem, the region adjacent to the wellbore being considered as a fractured medium and the outer region as a homogeneous one. Wellbore storage and skin effects were included in the solution, and the flow in the fractured region was mathematically described by Warren and Root's double porosity theory. In 1991, Satman (Satman, 1991) considered a model similar to Poon's but with transient interporosity flow. He presented the early-and late-time solutions in Laplace space but did not investigate the characteristics of the solution in dimensionless form. Kikani et al. (Kikani et al., 1991) and Olarewaju (Olarewaju, 1991) proposed an analytical model for naturally fractured reservoirs with transient interporosity flow and matrix skin in a composite reservoir.
In 1999, Guo & Xiang (Guo & Xiang, 1999) extended the radial composite dual-porosity model to multi-zone condition and put forward a well test model for a composite dualporosity oil reservoir with non-uniform thickness and lateral heterogeneity. However, they did not give the analytical solution of the model. Based on the work done by Guo, Huang & In this chapter, based on the Warren and Root's natural fracture model, a new well test model for linear composite dual-porosity reservoirs is presented, considering formation thickness and reservoir properties variations in plane. The analytical solution is obtained with one finite Fourier cosine space transformation (Farlow, 1982) and time-space Laplace transformation. By using Duhamel principle, the corresponding wellbore pressure response, together with effects of skins and wellbore storage, is obtained. The type curves are plotted with Stehfest algorithm and the impacts of relevant parameters are discussed. The model as well as the method presented in this chapter is useful in predicting production performance or analyzing production data from this type of well-reservoir system.
Mathematical model
Our primary interest is to consider flow in a three-zone liner composite dual-porosity reservoir. In this section, we present the detailed derivation of the mathematical model.
Assumptions
The mathematical model proposed in this chapter is based on oil reservoir conditions; it is also applicable to gas reservoirs by replacing the pressure term with a pseudo-pressure term. The key assumptions made in developing the mathematical model include:
1. A dual-porosity strip reservoir with parallel impermeable boundaries can be divided into three regions. A constant-rate line-source well is located in region I as illustrated in Fig.1 . The reservoir regions on both sides of the discontinuities may have different rock and fluid properties. But each one of the three zones is homogeneous and isotropic with constant reservoir properties such as permeability and porosity. 2. The matrix system is assumed to be a medium of high storativity and low permeability.
It is also assumed that production is only by virtue of the fracture system; that is, the wellbore has no direct connection with the matrix system. 3. Single-phase slightly compressible fluid and isothermal flowing. 4. Reservoir properties change at the interface. Both the width and flow resistance along the interface are neglected. 5. Laminar flow in each zone, with negligible gravitational effect and capillary effect. 6. Uniform initial reservoir pressure (p i ). 7. Pseudo-steady-state interporosity flow. 
Definitions
Solutions in this chapter are presented in dimensionless form. Here, we first present the definitions of the dimensionless variables used in our derivation. All dimensionless variables are based on the properties of region I.
The dimensionless pressure for fracture system and the matrix system are defined respectively by
The dimensionless time is defined by
The dimensionless distances in the x-and y-directions are defined, respectively, by
The dimensionless variables related to the composite system are also defined in this section. The mobility ratios are defined by
The transmissibility ratios are defined as 
As in the standard dual-porosity models, we also define the following dimensionless dualporosity parameters. The storativity ratio is defined by
The interporosity flow coefficient is defined by
where  is the interporosity shape factor and assumed to be identical for the three regions.
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Fracture and matrix equations
Based on the assumptions and the coordinate system shown in Fig.1 , the diffusivity equations governing the flow of a slightly compressible fluid in the fracture system of region I, region II and region III, respectively, are obtained by using the law of conservation of mass and are given by
We now assume that Darcy's Law holds. We restrict our attention to Newtonian fluids and isothermal conditions. In this chapter, we restrict our attention to the isotropy case. Thus, the velocity of the fluid is given by
where the subscripts 1, 2 and 3 refer to regions I, region II and region III.
The total isothermal compressibility of the fracture system in region i is given by
Insertions of the expressions on the right-hand sides of Eqs. (20) and (21) 
where δ is the delta function denoting the constant-rate line-source well, and q* is the volumetric flow rate from the matrix system to the fracture system. 
The outer boundary conditions in x direction are 
The outer boundary conditions in y direction are www.intechopen.com 
Model solution
The finite Fourier cosine transformation and Laplace transformation are employed to solve the dimensionless well testing model.
The finite Fourier cosine transformation is defined as (Farlow, 1982)      where u is the Laplace variable with respect to time.
With Eqs. (43) and (48), the Laplace transformation with respect to t D and the finite Fourier cosine transformation with respect to y D of Eqs. (39) and (40) 
A term-by-term Laplace inversion transformation and using conditions at the interface, yields 
With Heaviside unit step function, Eqs. (64) and (65) 
The wellbore storage and skin are not included in the dimensionless wellbore pressure calculated by the above equation.
Computational considerations
In the preceding sections, we have developed a solution for a well in a three-zone linear composite dual-porosity reservoir. In fact, obtaining the solution for the pressure distribution is only the first step toward the computation of well responses. The major contribution of this section is to provide the means to compute the solution presented in the preceding sections.
Wellbore storage
When a well is opened, the production at surface is initially due to the expansion of the fluid stored in the wellbore, and the reservoir contribution is initially negligible. This characteristic flow regime, called the pure wellbore storage effect, can last from a few seconds to a few minutes. Then, the reservoir production starts and the sand face rate increases until it becomes the same as the surface rate. When this condition is reached, the wellbore storage has no effect any more on the bottom hole pressure response, the data describes the reservoir behavior and it can be used for transient analysis.
After any change in the well flowing conditions, there is a time lag between the surface production and the sand face rate. The effect of wellbore storage affects well pressure responses during the first instants of each test period. In this chapter, only drawdown responses are illustrated. The wellbore storage coefficient C is used to describe this process (Bourdet, 2000) . 
Skin

Finite Fourier transformation inversion
The solution presented in the preceding section is in the Laplace-Fourier domain. To obtain the wellbore pressure response in real space, an accurate Fourier inversion is needed. The Fourier cosine transformation used in this chapter is inverted numerically with Eq. (55). The convergence in numerical inversion of the Fourier transformation is assumed to be reached if the absolute value of the ratio of the sum of the m, m-1 and m-2 terms in Eq. (55) to the total sum is less than 10 -14 . In some cases, the solution converges extremely slowly -in fact, for certain time ranges the series behave as if it is a divergent. More than 1000 terms in Eq. (55) are required at early time to achieve convergence.
Laplace transformation inversion
The Stehfest algorithm is used to invert the Laplace transformation numerically. The fundamental principle of Stehfest algorithm is given by
where
At this point, a remark on the use of the Stehfest algorithm appears to be appropriate. The accuracy of the results obtained by using the numerical inversion algorithm suggested by Stehfest is governed by a parameter denoted by N. Briefly, the parameter N determines the number of terms to be considered in the computation of the series used to approximate the Laplace inversion of the subject function. Theoretically, the accuracy of the numerical inversion should improve as the value of N increases. In practice, however, as N becomes too large, the result suffers from rounding errors. In this chapter, the inversion of the Laplace transformation is performed using Stehfest algorithm, with n=6. This allows us to relax the convergence criteria, because for n=8 or n=10, the inverse Fourier transform would be longer to compute, as Stehfest algorithm would require a higher precision.
Type curves and discussions
The pressure-transient behavior of a well in a three-zone linear composite dual-porosity reservoir with varied thickness and lateral heterogeneity is presented in this section. The steps to generate the type curves are as follows 1. The finite Fourier cosine transformation is inverted numerically. 2. The Laplace transformation is inverted numerically by Stehfest algorithm. 3. Calculate the wellbore pressure responses in real space. 4. Plot the type curves (log-log graph of pressure and derivative) based on the results obtained from the steps above.
The characteristics of type curves and the effects of correlating parameters are presented as follows. It is recognized that there are a number of variables which may affect the characteristics of type curves, such as thickness ratio, mobility ratio, transmissibility ratio, well location in the reservoir (a D and b D ) and reservoir width w D . The effects of all these parameters on type curves are discussed in detailed in this chapter. 
-6 h 31=5 Fig. 3 . Effect of thickness ratio on pressure responses for a well in a three-zone linear composite dual-porosity reservoir (h 21 ≠h 31 )
Figs.2 and 3 depict the pressure responses as a result of varied thickness ratios. Wellbore storage period, interporosity flow period and total radial flow period in region I can be observed from all the two figures. The effect of thickness ratio on type curves becomes obvious after the pressure wave reaches the interface.
It is can be seen that because the parallel impermeable boundaries are closer to the well than the facies changes, thus the derivative first displays the 1/2 slope characteristic of linear flow. Before the pressure wave reaches the interface, the wellbore pressure drawdown merely depends on reservoir properties of region I and has nothing to do with thickness ratio. Once the pressure wave reaches the interface, the following pressure behavior then is the result of average reservoir values of region I, region II and region III.
For the case the thickness ratio bigger than unit, after the pressure wave reaching the interface, the average flow capacity improves and the pressure drop consumed in fluid flow in reservoir decreases, the elevations of dimensionless pressure and pressure derivative curves get lower. The greater the thickness ratio is, the lower the pressure and pressure derivative curves are. Whereas if the thickness ratio is smaller than unit, after the pressure wave reaching the interface, the average flow capacity recedes and the pressure drop consumed in fluid flow in reservoir increases, the elevations of dimensionless pressure and pressure derivative curves get higher. The smaller the thickness ratio is, the higher the pressure and pressure derivative curves are.
In addition, Fig.2 also presents the limiting case that when the thickness of outer region (i.e. region II and III) is small enough, the derivative finally displays a unit slope instead of a 1/2 slope which is the characteristic of a closed system. Figs.4 and 5 show the effect of mobility ratio on the pressure responses with other fixed parameters presented in the figure. It can be observed that the effect of mobility ratio is similar to that of thickness ratio. The effect of mobility ratio on type curves becomes obvious once the discontinuity is felt.
For the case the mobility ratio bigger than unit, after the pressure wave reaching the interface, the elevations of dimensionless pressure and pressure derivative curves get lower. That is because a higher mobility ratio means that the outer region is more permeable than the inner region. Thus, the pressure drop is smaller with a same time. The greater the mobility ratio is, the lower the pressure and pressure derivative curves are. In contrast, whereas if the mobility ratio is smaller than unit, after the pressure wave reaching the interface, the elevations of dimensionless pressure and pressure derivative curves get higher. The smaller the mobility ratio is, the higher the pressure and pressure derivative curves are. Fig.4 also presents the limiting case that when the mobility of outer region (i.e. region II and III) is small enough, the derivative finally displays a unit slope instead of a 1/2 slope which is the characteristic of a closed system. Fig. 6 shows the effect of transmissibility ratio on the pressure responses with other fixed parameters presented in the figure. Similar flowing periods can be observed as in Figs.2 and 3 . The larger the magnitude of transmissibility ratio, the higher the pressure drop after the discontinuity is felt. That is because when the mobility ratio and thickness ratio are fixed, a higher transmissibility ratio means the product of porosity and the total system compressibility of outer region is smaller than that of the inner region, i.e., the outer region is much less compressible. Thus, the pressure drop is larger with higher transmissibility ratio. For the case of a D /w D =0.5, the well is located in the center of region I. The distances between the well and the four boundaries are equal, thus all four boundaries (two parallel impermeable boundaries and two discontinuities) are felt concurrently. After a short transition period, the derivative approached the half-slope line which is characteristic of linear flow in the total system. For a D /w D =0.25 and a D /w D =0.1, the well is closer to the discontinuity than to the impermeable boundary, so the discontinuity between region I and II is felt first as the departure of derivative from the value of 0.5. Then, the effects of two parallel impermeable boundaries are felt and the discontinuity between region I and III last. At late time, however, all curves approach linear flow behavior illustrated by the half-slope lines on the log-log graphs, irrespective of the magnitude of a D . That is because when all discontinuities and impermeable boundaries are encountered, the fluid flow in the reservoir depends on the average properties of the linear composite reservoir, so the well location a D has little effect on the late phase of the pressure responses. (Fig.1) is felt. At this time, flow in the reservoir is somewhat like that in an infinite reservoir with one fault boundary, thus the pressure derivative double its value to one. The doubling of constant derivative can be observed if the well is closer to one impermeable boundary. Fig.8 also illustrates that the well location b D has little effect on the late phase of the pressure responses.
Conclusions
1. A new analytical solution for the pressure-transient behavior of a line-source well producing at a constant rate in a three-zone, linear composite dual-porosity reservoir is presented in Laplace-Fourier space, which takes into account the changes in reservoir thickness, wellbore storage effect and skin factor. It can easily be inverted to real space, and it is especially useful in predicting pressure performance or analyzing test data from this type of reservoir configuration. 2. Behavior of the solution at the wellbore has been analyzed with help of the pressure derivative. Sensitivity study is done and the effects of relevant parameters, such as thickness ratio, mobility ratio, transmissibility ratio, and the well location, on the pressure transient responses for a well in this type of reservoir are discussed. The latetime linear flow characteristic of strip reservoirs is observed in all curves, irrespective of mobility ratio, thickness ratio, well location or transmissibility ratio. 3. Determination of relevant parameters from the field test data is not straightforward because the pressure response depends on the property contrasts between regions and the location of the well. 4. The mathematical model proposed in this chapter is based on oil reservoir conditions; it is also applicable to gas reservoirs by replacing the pressure term with a pseudopressure term. 5. The model proposed in this chapter is for three-zone linear composite dual-porosity reservoirs, but could also be used for analyzing well test data from two-zone linear composite dual-porosity reservoirs. = total fracture system compressibility of region I C tf2 = total fracture system compressibility of region II C tf3 = total fracture system compressibility of region III C tm1 = total matrix system compressibility of region I C tm2 = total matrix system compressibility of region II C tm3 = total matrix system compressibility of region III h 1 = reservoir thickness of region I h 2 = reservoir thickness of region II h 3 = reservoir thickness of region III h 21 = ratio of thickness of region II to thickness of region I h 31 = ratio of thickness of region III to thickness of region I k f1 = fracture permeability of region I k f2 = fracture permeability of region II k f3 = fracture permeability of region III k m1 = matrix permeability of region I k m2 = matrix permeability of region II k m3 = matrix permeability of region III L = x-extent of region I m = Fourier variable with respect to y D M 21 =ratio of mobility of region II to mobility of region I M 31 =ratio of mobility of region III to mobility of region I p Df1 = dimensionless fracture pressure of region I p Df2 = dimensionless fracture pressure of region II p Df3 = dimensionless fracture pressure of region III p Dm1 = dimensionless matrix pressure of region I p Dm2 = dimensionless matrix pressure of region II p Dm3 = dimensionless matrix pressure of region III p f1 = fracture pressure of region I p f2 = fracture pressure of region II p f3 = fracture pressure of region III p m1 = matrix pressure of region I p m2 = matrix pressure of region II p m3 = matrix pressure of region III p i = initial reservoir pressure q = flow rate at sandface * 1 q = volumetric flow rate from the matrix system to the fracture system in region I * 2 q = volumetric flow rate from the matrix system to the fracture system in region II * 3 q = volumetric flow rate from the matrix system to the fracture system in region III r w = wellbore radius S = skin factor www.intechopen.com
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